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Abstract

Reservoir injectivity and storage capacity are the main constraints for geologic CO2
sequestration, subject to safety and economic considerations. Brine acidiﬁcation following CO2 dissolution
leads to ﬂuid-rock interactions that alter porosity and permeability, thereby affecting reservoir storage capacity
and injectivity. Thus, we determined how efﬁciently CO2-enriched brines could dissolve calcite in sandstone
cores and how this affects the petrophysical properties. During computerized tomography monitored
ﬂow-through reactor experiments, calcite dissolved at a rate largely determined by the rate of acid
supply, even at high ﬂow velocities which would be typical near an injection well. The porosity increase
was accompanied by a signiﬁcant increase in rock permeability, larger than that predicted using classical
porosity-permeability models. This chemically driven petrophysical change might be optimized using injection
parameters to maximize injectivity and storage.

1. Introduction
Carbon dioxide storage in geological formations such as saline aquifers or depleted oil or gas ﬁelds is viewed
as a potentially effective means to mitigate global warming [Bachu et al., 1994; IEA, 2010; IPCC, 2005]. Among
the 29 Gt of anthropogenic CO2 emitted globally per year, 60% originates from large stationary sources
[Oelkers and Cole, 2008]; this represents a considerable target for carbon capture and storage technology.
Saline aquifers are of particular interest due to their abundance and their storage potential [Bachu and
Adams, 2003]. A striking feature is the great variability in the fundamental properties of these reservoirs,
including geometry, pressure, temperature, porosity, permeability, and mineralogical composition. Previous
experimental studies [Bateman et al., 2011; Rosenbauer et al., 2005], numerical modeling studies [Andre et al.,
2007; Knauss et al., 2005], and ﬁeld studies [Kharaka et al., 2006] indicated that signiﬁcant rock alteration
could follow CO2 injection, involving simple mineral dissolution or more complex dissolutionprecipitation reactions.
Reaction modiﬁcation of permeability and porosity can be of great importance for reservoir screening and
injection design. To predict changes in permeability caused by ﬂuid-rock interactions, reactive transport
codes like TOUGHREACT [Xu et al., 2011] include permeability-porosity relationships. These equations
reproduce porosity and permeability trends with depth due to compaction, but during reactive transport,
changes in the pore structure may be localized at speciﬁc sites linked to mineral distribution. Thus,
porosity-permeability relationships optimized for continuous variations of natural rocks may not reproduce the
continuum scale effect of local chemical reactions. An example is the wormholing of limestone [Luquot and
Gouze, 2009]. Added complexity stems from the possibility that the release of ﬁnes, secondary precipitation,
clay swelling, and enhanced compaction may lead to contradictory permeability-porosity relationships [Bowker
and Shuler, 1991; Sayegh et al., 1990; Yu et al., 2012].
This experimental study explores the effects of mineral dissolution in response to CO2 injection on the porosity
and permeability of a rock containing a small fraction of dispersed shell fragments.
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2. Experimental Method
A ﬂow-through reactor was used to inject CO2-saturated brine into rock cores (Figure 1) and was instrumented
to monitor ﬂuid chemistry and permeability. Rock cores were initially saturated with brine and stored for at least
2 days before being loaded into the core holder. Once the experiment started, the initial brine was displaced by
©2013. The Authors.
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Figure 1. Overview of the experimental setup. CO2–saturated brine was stored above a ﬂoating piston and injected into the rock sample via
a Quizix® dual pump system (dark gray box). The core holder was placed in the CT scanner during the entire course of the experiment.

CO2-saturated brine, and porosity evolution was monitored periodically with time-lapse computerized
tomography (CT) scanning using a PICKER PQ 2000 medical CT scanner (pixel resolution: 250 μm), which
detects changes in density.
In a set of six experiments, we injected CO2-saturated brines at constant ﬂow rates (1, 2, or 3 mL min1), for 1
or 2 days, to mimic conditions near the CO2-brine interface as it migrates away from the injection well. The
injected ﬂuid was 1 M NaCl brine, normally saturated under 1 MPa CO2 pressure at room temperature (CO2
concentration = 0.3 mol L1, pH = 3.3). The inlet pore pressure of 1 MPa was selected because it is the maximum pressure for operation of the Unisense® pH electrode (Figure 1). During supercritical CO2 injection in
deep saline aquifers, CO2 solubility will typically be between 0.7 and 1.2 mol L1, and the pH at the CO2-brine
interface could be as low as 2.8. The differential pressure was monitored, and changes in permeability during
each run was calculated from Darcy’s law (the Reynolds number for our experiments was 0.001–0.004). The
accurate measurements of permeability were performed under pure brine-saturated conditions before and
after the experiments to avoid possible uncertainty due to degassing.

3. Sample Description
Cylindrical cores (5 cm long and 3.75 cm in diameter) were drilled parallel to bedding from a single sample
block of Jurassic Lower Calcareous Gritstone Formation from Cayton Bay, Scarborough (UK). Initial porosity of
30.5 to 35.5% (average 33%) was measured with both helium expansion and NMR (nuclear magnetic resonance) methods. NMR analyses showed a bimodal pore size distribution with a main peak at 100 μm.
Scanning electron microscope (SEM) observations show that the rock contains numerous round pores,
100 μm in diameter, but these are connected by small-pore throats. Initial permeability of the cores ranged
from 8 to 12 mdarcy, i.e., at the low end of the permeabilities encountered in current injection projects
[Michael et al., 2010].
Mineral composition was determined by quantitative X-ray diffraction (QXRD), and element maps were also
acquired using a scanning electron microscope mounted with an energy dispersive X-ray spectrometer on
polished thin sections. Total inorganic carbon analyses were performed on ﬁve subsamples to capture the
range of calcite contents. Calcite comprised 4–5% of the rock mass and was in the form of isolated grains and
bioclast fragments. Thus, about 4.5% of the rock mass (3% of its total volume) could quickly dissolve in acid,
provoking pore network modiﬁcations. The remainder of the solid material was comprised of quartz (76% by
mass), muscovite (7.5%), microcline (6.5%), illite/smectite (2.5%), kaolinite (1%), albite (1%), dolomite (0.7%),
and pyrite (0.5%).
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4. Fluid Chemistry
Samples of acidiﬁed brine were collected under
working pressure (1 MPa) at the inlet prior to
injection and analyzed for the total CO2 by
titration to verify the CO2 concentration of the
injected ﬂuid against expected values [Duan
and Sun, 2003]. Outﬂow sampling was done at
intervals of 15 min at the beginning of the
experiment, then less frequently. Additionally, the
pH was continuously monitored at the outlet
using a small-volume electrode system described
by Rosenqvist et al. [2012]. Breakthrough curves
for cations from experiment 3 are shown in
Figure 2; results for experiments 1 and 6 are
shown in Figure S1 of the Supporting Information.
Analyses of the efﬂuent ﬂuids indicate that calcite
dissolution dominated in each experiment. For
experiment 3 (Figure 2), integration of the curves
Figure 2. Breakthrough curves from experiment 3. The separation
indicates leaching of 37.0, 1.0, 0.7, and 0.2 mmol
line marks a 4 h break between the ﬁrst and the second injection of
CO2-saturated brine. The concentrations of most elements drop due to
of Ca, Mg, K, and Si, respectively, corresponding to
dilution by newly injected brine, but Ca concentrations remain quite
the dissolution of 3.66 g calcite and 0.21 g dolostable due to calcite dissolution.
mite with minor silicates. The equivalent volumes
are 1.36 and 0.07 cm3, yielding a total of 1.43 cm3 if there was no secondary precipitation. This is thought unlikely as calcium was steadily released throughout the experiments and pH dropped progressively. These
changes calculated from efﬂuent composition correspond well with the changes in core mass and pore volume
measured by mass balance and helium porosimetry of 4.24 g and 1.78 cm3, respectively. During the initial stages
of the experiment, the pH of the inlet ﬂuid was 3.3, while the outlet pH was 7.5, reﬂecting extensive reaction of
calcite and mixing with initial pore ﬂuid (pH 9.5). The outlet pH dropped throughout the experiments and, by
the end of each experiments, was very close to the inlet value. The gradual drop in pH is inferred to result from
the development of preferential ﬂow paths through the core from which calcite was completely dissolved at an
early stage, while some calcite remained along the other ﬂow paths. The measured pH of the ﬂuid exiting the
core is believed to reﬂect mixing of reacted and unreacted brine from calcite-rich and calcite-free ﬂow paths.
Because of the development of calcite-free ﬂow paths, twice as much ﬂuid was injected than was required to
dissolve all the calcite at 100% efﬁciency. QXRD analyses of subsamples taken from the inlet and the center of
the core after experiment 3 showed the total removal of calcite, with no other mineralogical changes. About
25% of the initial calcite remained at the far end of the core; hence, outﬂow calcium concentrations remain
signiﬁcant, although falling, indicating that calcite dissolution was close to completion.

5. Dissolution Front Tracking
A time series of CT proﬁles of the core (each comprising 24 slices perpendicular to the core axis) were used to
track the dissolution front as it migrated during the course of each experiment. Results for experiment 3 are
shown in Figure 3. Initial and ﬁnal porosity proﬁles were calculated using
ϕ ¼ ðCTbs  CTas Þ = ðCTb  CTa Þ;

(1)

where ϕ is the porosity of a core slice and CTbs and CTas are the averaged CT value of the pixels comprising
the slice, under 100% brine saturation and 100% air saturation, respectively. CTb and CTa are the CT values of
pure brine and air [Withjack, 1988].
If a single mineral is dissolving (or multiple minerals with similar X-ray attenuation coefﬁcients) then
δCT ¼ δϕ ðCTb  CTmineral Þ;

(2)

since CTb  CTmineral is a constant, the variation in porosity (δϕ ) is directly proportional to the variation of the
CT number (δCT). This equation was used to calculate intermediate porosity proﬁles (Figure 3).
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Figure 3. Time series to demonstrate porosity evolution in experiment 3. Together with experimental data points, (a) time-lapse porosity
proﬁles are presented as surfaces of decreasing gray scale intensity. They have been normalized to the (b) initial porosity proﬁle.
Equivalence with change in CT number (in Hounsﬁeld units [Hounsﬁeld, 1973]) is also shown.

Near the inlet, there was a rapid porosity increase at the start of the experiment; approximately half the
porosity increase occurred in the ﬁrst 5 h and 90% within 18 h. This is likely due to rapid dissolution of more
accessible calcite grains. With time, the region of rapid dissolution propagated down the core, and extensive
porosity increase at the outﬂow began only after 18 h had elapsed. This pattern of migration of the zone of
dissolution demonstrates that dissolution was transport limited even at the low CO2 concentration and high
ﬂow velocities of these experiments. The Damköhler number calculated for calcite dissolution during ﬂow
and averaged over the core length ranged from 19 to 24, while the Péclet number was between 6 and 18
(Table S1 of the Supporting Information provides the details). Thus, although the dissolution of calcite was
not 100% efﬁcient due to the development of calcite-free pathways, these results validate the use of the local
equilibrium assumption for simulations of calcite dissolution at the reservoir scale and demonstrate that it is
the physical introduction of acidity to calcite-bearing rocks that will dictate how much calcite dissolves, rather
than surface reaction rates, as shown for pure calcite by Pokrovsky et al. [2005].

6. Inﬂuence of Mineral Dissolution on Porosity and Permeability
Six similar dissolution experiments were performed on samples with variable amounts of calcite, and in each
case, injection was stopped only after the permeability and the outlet pH had stabilized. At this stage, the
outlet pH was close to the inlet pH indicating little reaction in the ﬂow paths controlling the permeability.
Permeability and pH data for three experiments at different ﬂow rates are presented in Figure 4. The relative
increase in porosity resulting from dissolution in the cores ranged from 5 to 15%. Note however that no net
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Figure 4. Permeability and pH curves for experiments 3, 4, and 5. The time needed for the permeability and the pH to stabilize is strongly
correlated to the ﬂow rate, demonstrating that the rate of calcite dissolution is transport limited. Note that the initial permeability for the
core used in experiment 4 measured with pure brine was 10.2 mdarcy, and this value was used for the calculation of permeability change
in Figure 5. It differs from the value measured early in the run shown in this ﬁgure. This is the only inconsistency encountered in all the six
experiments and is most likely due to the presence of gaseous CO2 in the pipes at the start of the experiment.

gain of porosity should occur at the ﬁeld scale as calcite will mostly reprecipitate away from the region
exposed to high CO2 pressure. Figure 5 is a porosity-permeability plot showing the increase in porosity and
permeability for each experiment and demonstrates a marked increase in permeability. Not only can dissolution increase storage capacity through porosity redistribution, it can also signiﬁcantly increase permeability
and hence improve CO2 injectivity. This is particularly signiﬁcant in low-permeability reservoirs where the
injection pressure limits the injection rate.
We attempted to ﬁt our experimental data to the Kozeny-Carman (K-C) reference equation for the relation
between permeability (κ) and porosity (ϕ) [Bear, 1972]:
κ ∝ ϕn

= ð1  ϕ Þ2 ;

(3)

where n ranges from 3 to 7, and the modiﬁed Kozeny-Carman equation of Mavko et al. [2003]:
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κ ∝ ðϕ  ϕ critical Þ3 =ð1  ϕ þ ϕ critical Þ2 ;

(4)

allowing for the existence of a percolation threshold ϕ critical, the minimum porosity at which ﬂuid
can ﬂow through a given porous assemblage
[Sahimi, 1993]. Results are shown in Figure 5.
Given the high porosity of the sandstone, n = 3
would be appropriate in equation 3. Instead, this
leads to a large underestimation of the permeability increase with porosity. Using n = 5 or n = 7
narrows the gap between the model and the data,
but there is no theoretical basis to justify this, and
the ﬁt is still poor. The prediction is not improved if
the percolation threshold is increased to 10%.
The observed large change in permeability for a
small change in porosity is not predicted by the
Kozeny-Carman approach and may result from a
combination of increase in connectivity, focused
dissolution at the pore throats and/or a reduction
in tortuosity. Analysis of micro-CT scans and SEM
images of unreacted sandstone (Figures 6a, 6c, 6e, and 6g) suggest that the porosity is already fully
connected through numerous small-pore throats so that the dissolution of a few discrete calcite grains would
have little effect on the connectivity of the existing pores. No calcite cement was observed at the pore throats
(Figures 6c and 6e), and NMR T2 curves indicate that it is mostly the creation of new large-pore bodies that
contributed to the increase in porosity (see Figure S2 of the Supporting Information). Figure 6 contrasts
observations made on thin sections of reacted and unreacted cores from a single sample block. From these,
we infer that the marked increase in permeability arises primarily from a decrease in tortuosity, as the
dissolution of discrete grains opens new ﬂow paths. Calcite shell fragments have dissolved during the
experiment creating bridges between preexisting pores, while secondary silicates are apparently unaffected.
Random walk simulations have been performed on 3-D models of the pore space reconstructed from
separate sets of micro-CT scans (scanner: Scanco microCT 100, pixel resolution: 2.5 μm) following the method
described by Nakashima and Kamiya [2007]. They show a modest tortuosity decrease from 2.00 to 1.85 due to
calcite dissolution, which cannot explain the change in permeability if permeability scales linearly with
tortuosity. In our experiments, permeability is more sensitive to tortuosity change because this change results
from the opening of new ﬂow paths, not simply a change in sinuosity of existing ones. Therefore, the effect
on permeability is fundamentally different from the capillary tube model used as the theoretical basis for K-C
based models.

Figure 5. Relative changes of porosity and permeability for six experiments (experiment numbers are displayed next to data points). Also
shown is the calculated permeability change for each measured porosity change, based on different parameterizations (ϕcritical and n, see
text) of the Kozeny-Carman equation. Solid lines: ϕcritical = 0%, dashed
line: ϕcritical = 5%, and dotted line: ϕcritical = 10%.

7. Discussion
Our experiments showed that the rate of calcite dissolution in rocks subject to CO2 injection depends on the
rate of transport of acidity to the mineral surface. In practice, this means that the key parameters are the
amount of mixing between CO2 and brine, the local permeability distribution that delivers acidiﬁed brine
through the rock and the local mineral accessibility. We have also shown that the dissolution of even small
amounts of calcite can have a much larger effect on permeability than conventional models predict. Our
experiments represent an end member of the conditions likely to be encountered in a steadily ﬁlling reservoir
because the CO2 and the brine were mixed prior to injection and the pore volume was reﬁlled with unreacted
ﬂuid about a hundred times over the course of the experiment. Nevertheless, this is close to the conditions
likely to be encountered in the case of WAG (water alternating gas) injection scenarios.
The advance of acidiﬁed brine ahead of a CO2 plume inﬁltrating permeable layers may cause signiﬁcant
changes to reservoir permeability, provided that unreacted brines are continually incorporated into the zone
of acidiﬁcation as it moves out from the injection well (radial rather that linear ﬂow). Permeability may also be
modiﬁed if conﬁning beds above or below a CO2 plume contain calcite. We believe that there are two key
questions for evaluating changes in reservoir performance due to interactions of CO2-enriched ﬂuid with
LAMY-CHAPPUIS ET AL.
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Figure 6. SEM images of rock sample (ﬁrst column) before experiment and (second column) afterward. (a and b) Low-magniﬁcation views
showing the presence of elongated calcite shell fragments (Figure 6a) matching pores created by the dissolution of such fragments
(Figure 6b). (c and d) Details of the pore throat structure showing silicate material coating grains and ﬁlling the pores. No signiﬁcant difference can be detected after the experiments. (e and f) Details of pore ﬁllings (quartz and clay particles) seen in Figures 6c and 6d, conﬁrming
that they have been unaffected by the acid brine injection. (g and h) Example of a partly siliciﬁed shell fragment (Figure 6g) matched by a
comparable pore shape in the reacted sample due to the dissolution of the calcite portion only (Figure 6h).
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calcite-bearing rocks. First, how effectively will CO2 interact with brine, causing acidiﬁcation and reaction?
Second, how effectively will reacted brine pushed ahead of the CO2 front mix with unreacted brine, creating
the potential for further calcite dissolution?
Our results show that it is advisable to evaluate changes in absolute permeability due to ﬂuid-rock interactions since these can lead to variations in effective permeability of similar magnitude to the ones due to
phase saturation change. Depending on the speciﬁc geological setting, enhanced permeability through
calcite dissolution could be a threat to the integrity of injection schemes or could be managed to make them
more effective.
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